Recent studies suggest that using supercritical CO 2 (scCO 2 ) instead of water as a heat transmission fluid in Enhanced Geothermal Systems (EGS) may improve energy extraction. While CO 2 -fluid-rock interactions at "typical" temperatures and pressures of subsurface reservoirs are fairly well known, such understanding for the elevated conditions of EGS is relatively unresolved. Geochemical impacts of CO 2 as a working fluid ("CO 2 -EGS") compared to those for water as a working fluid (H 2 O-EGS) are needed. The primary objectives of this study are (1) constraining geochemical processes associated with CO 2 -fluid-rock interactions under the high pressures and temperatures of a typical CO 2 -EGS site and (2) comparing geochemical impacts of CO 2 -EGS to geochemical impacts of H 2 O-EGS. The St. John's Dome CO 2 -EGS research site in Arizona was adopted as a case study. A 3D model of the site was developed. Net heat extraction and mass flow production rates for CO 2 -EGS were larger compared to H 2 O-EGS, suggesting that using scCO 2 as a working fluid may enhance EGS heat extraction. More aqueous CO 2 accumulates within upper-and lower-lying layers than in the injection/production layers, reducing pH values and leading to increased dissolution and precipitation of minerals in those upper and lower layers. Dissolution of oligoclase for water as a working fluid shows smaller magnitude in rates and different distributions in profile than those for scCO 2 as a working fluid. It indicates that geochemical processes of scCO 2 -rock interaction have significant effects on mineral dissolution and precipitation in magnitudes and distributions.
Introduction
Recent studies suggest that supercritical CO 2 (scCO 2 ) as a heat transmission fluid in Enhanced Geothermal Systems (EGS) can improve energy extraction compared to conventional water-based EGS [1] [2] [3] . We refer to such systems as CO 2 -EGS and to EGS with water as a working fluid as H 2 O-EGS. Advantages of using CO 2 as a heat transmission fluid include larger expansivity (compressibility) and lower viscosity compared to water; CO 2 is also a poor mineral solvent compared to water [1] . Disadvantages of CO 2 as a working fluid include a lower mass heat capacity than water, reducing its net energy content per unit volume, as well as the propensity for aqueous CO 2 to promote chemical reactions leading to changes in reservoir rock porosity and permeability [4] . However, CO 2 -EGS data, as well as comparisons of CO 2 -EGS to H 2 O-EGS, are limited. A primary goal of this study is to constrain geochemical reactions induced by CO 2 -fluid-rock interactions in EGS reservoirs. An additional goal is to compare geochemical impacts of CO 2 -EGS to the geochemical impacts of H 2 O-EGS.
Several recent experimental and numerical efforts quantify geochemical reactions associated with CO 2 injection in EGS reservoirs [2, 3, [5] [6] [7] [8] [9] [10] . Pruess [2, 3] compared CO 2 and water with respect to heat extraction rate and mass flow rate in EGS reservoirs. Heat extraction and flow rate largely increase with CO 2 as the working fluid, suggesting that CO 2 offers potential benefits as a working fluid in EGS reservoirs. Rosenbauer et al. [8] experimentally tested CO 2 -brine-rock interactions at 120 ∘ C and 20-30 MPa. Results suggested that dissolved CO 2 may enhance water-rock interaction and CO 2 2 Geofluids sequestration in carbonate minerals. Lo Ré et al. [6] conducted five hydrothermal experiments to evaluate geochemical and mineralogical response of fractured granitic rocks to CO 2 injection at geothermal conditions of at 250 ∘ C and 25-45 MPa. Experimental results suggest that precipitation of clay (smectite and illite) may affect reservoir porosity and permeability, and carbonate formation may require extended periods of time. Jung et al. [5] performed reactive transport modeling to study fluid-rock interactions in a typical geothermal system and calibrated the geochemical model by adjusting the reactive surface area to fit the experimental data of mineral dissolution. Na et al. [7] performed laboratory experiments to study CO 2 -fluid-rock chemical reactions at high temperatures and pressures in geothermal systems and conducted batch simulations to analyze the experimental data. Wan et al. [9] and Xu et al. [10] simulated geochemical processes of fluid-rock interactions within CO 2 -EGS under high pressures and temperatures, and results suggest that significant CO 2 may be stored in EGS reservoirs by mineral trapping by precipitation of carbonate minerals. Xu et al. [11] also performed batch geochemical simulations for three different aquifer lithologies to evaluate long-term CO 2 disposal in deep aquifers. Results suggest that CO 2 sequestration by mineral trapping varies largely with rock type and mineral composition, and porosity decreases due to precipitation of carbonates. André et al. (2007) conducted numerical modeling of fluid-rock chemical interactions of two CO 2 injection scenarios, CO 2 -saturated water and supercritical CO 2 , in a deep carbonate aquifer. Their results suggest that geochemical reactivity with supercritical CO 2 injection was much lower than reactivity with CO 2 -saturated water.
Although these experimental and numerical studies address many aspects of geochemical reactions induced by CO 2 -fluid-rock interactions in geothermal systems, threedimensional (3D) geochemical simulations of CO 2 -fluidrock interaction at high temperature and pressure in EGS reservoirs are relatively rare. Therefore, a primary objective of this study is to simulate and evaluate geochemical processes induced by CO 2 -fluid-rock interactions at the elevated temperatures and pressures of a CO 2 -EGS. A secondary objective is to compare geochemical impacts within a CO 2 -EGS to those within an H 2 O-EGS. The TOUGHREACT model [12] with the ECO2H module [13] was used to conduct simulations of CO 2 -fluid-rock interactions in a CO 2 -EGS reservoir. The St. John's Dome CO 2 -EGS research site in Arizona was used as a case study example. Rauzi, personal communication, 2013) . The dome consists of a broad, asymmetric anticline that trends northwest with an axis that plunges to the northwest and the southeast. The dome is notable for hosting a gas field consisting of nearly pure CO 2 ; the Fort Apache, Big A Butte, and Amos Wash members of the Supai Formation (Permian) are the primary CO 2 reservoirs. The caprock above each CO 2 -rich zone consists of anhydrite and mudstones [15] ; basement consists of Precambrian granite.
Material and Methods
Exploration and research of the geothermal potential of St. John's Dome extends back at least into the 1970s. More than 40 wells have been drilled to determine the gas reserves. Bottom-hole temperature measurements have been taken in seven of these wells. Temperature gradients appear to be highest in the south-central portion of the dome; the temperature at a depth of 3 km in this part of the dome is 150 ∘ C or greater. Based on identified geothermal resources and large volumes of CO 2 , the St. John's Dome is uniquely suitable for developing CO 2 -EGS because it greatly reduces the risk and cost of testing and developing the technology.
3D Model Setup.
We elected to adopt a 5-spot well pattern because of its wide application in oil fields and geothermal reservoirs [3, 9, [17] [18] [19] [20] [21] [22] . The resulting 3D model domain with its 5-spot well pattern is illustrated in Figure 1 . Due to the symmetry of the 5-spot well pattern, we employed a 1/8 symmetry domain (of the 5-spot pattern) for all simulations (Figure 1) . The domain is 500 m in the vertical direction with a layered geological setting, including 100 m thick fractured rock at the middle and 200 m thick granite above and below the fractured rock zone, respectively ( Figure 1 ). The grid cell size is uniform at 70.7 m horizontally (X and Y directions) and 50 m vertically (Z direction). We also implemented a dual-continuum approach at the 100 m thick center of the model domain to represent a typical fractured EGS reservoir.
We collected all publicly-available hydrologic data for wells near St. John's Dome, primarily from files of Arizona Geological Survey. The mean value of measured permeability (0.25 mD) was assigned to all fractured aspects of the model. The MINC (multiple interacting continua) of TOUGH2 code [23] is assigned to boundaries of injection and production, with a pressure drop of 2.5 MPa between the injection and production wells. For wells, constant pressure is assigned as initial plus 1.25 MPa at the injection well and initial minus 1.25 MPa at the production well. A Neumann condition (no flow) is assigned on all other sides. Details of parameter settings are summarized in Table 1 .
Mineralogical Assemblages in St. John's Dome Field Site.
Two core samples of the Precambrian granite from one of the Arizona wells (22-1X State) at Springerville-St. John's CO 2 research site [24] were analyzed using X-ray diffraction northern boundary of the St. John's CO 2 field at an elevation of 1949 m at the ground level; the well penetrates the Permian Supai Formation at a depth from 195 m to 628 m below the surface and Precambrian granite below that [14] . The two core samples for Precambrian granite were collected at depths of 640.8 m and 647.4 m. The two samples consist mainly of quartz (45-50%), plagioclase (26-30%), and Kfeldspar (19-21%). An average percentage of the mineralogical assemblages of the two samples (Table 2) were used in the simulations. Potential secondary minerals were identified using equilibrium batch modeling, as follows. Firstly, CO 2 was added to the initial formation brine in contact with the primary mineral assemblage, and the saturation indices of all minerals present in the database were calculated and analyzed. Minerals that became supersaturated and have the potential to form under the given conditions were included as secondary minerals. Then, batch models were reexecuted with the new (resulting) mineral assemblage until an equilibrium aqueous solution was reached. The primary mineral assemblage and possible secondary minerals are listed in Table 3 ; kinetic properties for these minerals are listed in Table 4 . The kinetic properties (rate constant, activation Gas saturation Temperature (
Temperature at injection well Temperature at production well Gas saturation at injection well Gas saturation at production well Time (years) energy, and power term) of multiple mechanisms (neutral, acid, and base) for primary and possible secondary minerals are taken from Palandri and Kharaka [16] . The reactive surface areas of some minerals (e.g., quartz, oligoclase, albite, K-feldspar, calcite, magnesite, kaolinite, siderite, illite, and smectitie) are taken from Xu et al. [11] . Values for other minerals are assumed as 9.8 cm 2 /g. All geochemical simulations utilize the EQ3/6 thermodynamic database v7.2b (data0.dat; [25] ), and all flow aspects are simulated (for 50-year simulation time) using the TOUGHREACT/ECO2H model [12, 26] . A set of batch simulations were conducted first, to obtain initial aqueous solutions that would be in equilibrium with the primary minerals.
Numerical Models.
The TOUGHREACT model [12] with its ECO2H module [13] was used to conduct all geochemical simulations. The TOUGHREACT code was developed to simulate nonisothermal multicomponent reactive fluid flow and geochemical transport by addressing reactive geochemistry with multiphase flow and heat flow [12, 26] . TOUGHREACT has been applied to subsurface thermophysical-chemical processes in various environmental problems and geologic systems. The ECO2H module of TOUGHRE-ACT code is designed for applications to geological sequestration of CO 2 in saline aquifers at high temperature and pressure [13] . The resident equation of state provides an accurate and comprehensive description of thermodynamics and thermophysical properties of water-brine-CO 2 mixtures to 243 ∘ C and 67.6 MPa [19] .
Results

Results of Flow and Heat Simulation at St. John's Dome
Site. Figure 2 plots net heat extraction rate, mass flow rate, temperature and gas saturation at the gridblock next to the injection, and production wells for the model with scCO 2 as the working fluid. Results for water as a working fluid are also plotted in Figure 2 . For the case of scCO 2 as a working fluid, flow containing water only is produced at a rate of ∼180 kg/s during the initial stages of simulation. After 0.05 years, the produced water flow rate sharply decreases as the flow rate of produced CO 2 increases, demonstrating the mixture of water and CO 2 produced when scCO 2 has reached the production well. With continuous CO 2 injection and increases in gas saturation at the production well, the produced CO 2 flow rate significantly increases with no water production. The oscillation in mass flow and heat extraction rate at the early stages of simulation ( Figure 2 ) is a simulation artifact. Specifically, this minor oscillation is a numerical response to maintain constant pressure at the wellbore; an absolute constant pressure in a wellbore cannot exist in nature, and to force such in a simulation translates to some oscillatory variability in flows. We adopted fixed wellbore pressure at depth, despite the minor oscillation artifact, because it is a common approach of analysis. The net heat extraction rate is around 120 MW in the initial stage of simulation and decreases to 60 MW after 0.1 years, a trend similar to the produced water flow rate. With increases of produced CO 2 flow rate, the net heat extraction increases to its maximum of 80 MW after 5 years of CO 2 injection. With continuous increase of CO 2 gas saturation at the production well, the net heat extraction decreases to 12 MW after 50 years of CO 2 injection. This is due to more rapid thermal depletion of CO 2 compared to water, associated with the rapid decrease of simulated temperature (Figure 2 ). The CO 2 saturation next to the injection well becomes 100% after 0.2 years of CO 2 injection. The CO 2 flow breaks through to the production well after 0.06 years of injection and gas saturation continues increasing to 1.0 after 10 years of CO 2 injection. However, the gas saturation decreases from 1.0 to 0.6 at the production well after 20 years of CO 2 injection, demonstrating possible CO 2 leakage to upper-lying layers (Figure 3 ). The temperature next to the injection well decreases from the initial temperature of 200 ∘ C to the injection temperature of 50 ∘ C. The temperature next to the production well remains constant at the initial temperature of 200 ∘ C until around 2 years of CO 2 injection and then drops to 65 ∘ C after 50 years of CO 2 injection. Figure 3 plots simulated 3D profiles of gas saturation and temperature after 30 years of scCO 2 injection (as a working fluid). The gas saturation at the layer of injection/production well decreases from 1.0 to 0.5 toward the production well after 30 years. The gas saturation varies from 0.2 to 0.5 in the area of upper-lying layers after 30 years, demonstrating that simulated CO 2 leakage occurs and CO 2 breakthrough in caprock may constitute a leakage risk. The gas saturation is around 0.5 in the layer just below the injection/production well ( Figure 3) . The 3D temperature profile exhibits a similar trend as the gas saturation profile, which increases from 50 ∘ C at the injection well to 80 ∘ C at the production well (Figure 3) , similar to the results in Figure 2 . The temperature drop also occurs in the layers just above and below the injection/production layer, associated with large gas saturation in that area.
For water as a working fluid, the mass flow rate next to the production well decreases from 100 kg/s at the initial stage of simulation to 53 kg/s after 50 years of water injection (Figure 2) , which is less than the 180 kg/s initial rate and less than the 150 to 250 kg/s of the produced CO 2 flow rate at the late stage of simulations with scCO 2 as a working fluid. A possible explanation for this phenomenon is the lower viscosity of scCO 2 compared to water. The net heat extraction for water as a working fluid has similar trends for the produced water flow rate, which also decreases from 80 MW at the initial stage to 10 MW after 50 years ( Figure 2 ). The net heat extraction rate for scCO 2 as a working fluid varies from 12 to 180 MW during the simulation period and is much larger than the rate for water as a working fluid, indicating that scCO 2 as a working fluid could enhance heat extraction compared to water, at least for a generic 5-spot well pattern. Figure 4 plots simulated 3D profiles of aqueous CO 2 mass fraction and pH values after 30 years. Figures 5 and 6 illustrate simulated 3D profiles of changes of mineral abundances (in volume fraction) for selected primary minerals (oligoclase and quartz) and secondary minerals (calcite and illite). From the beginning of scCO 2 injection, scCO 2 dissolution in water increased the dissolved CO 2 concentration and lowered pH values (compared to the initial pH value of 5.4) (Figure 4) . The pH values are artificially set to 0 if the saturation in gas phase is 1.0. The dissolved CO 2 and lowered pH values induced dissolution of primary minerals and precipitation of secondary minerals. Aqueous CO 2 is observed at the upper-and lower-lying layers (Figure 4 ), which exhibits larger dissolved CO 2 mass fractions than values at the injection/production layer after 30 years. A reverse trend is associated with the gas saturation distribution (Figure 3 ), indicating that more CO 2 dissolves in the aqueous phase with lower gas saturation in upper-and lower-lying layers.
Results of Geochemical Simulation at St. John's Dome Site.
The pH values in the injection/production layer are smaller than the initial pH value of 5.4 and increase toward the production well (Figure 4) , which is similar to the pattern of gas saturation (Figure 3) . The higher the gas saturation, the lower pH values, in general. The primary mineral oligoclase dissolves from the beginning of CO 2 injection. As indicated by Figure 5 , a general trend of more dissolution in the upper-lying layers and the layer just below the injection/production layer is observed after 30 years of CO 2 injection. We infer this to be because water is produced gradually from the production well while supercritical CO 2 (gas phase) spreads from the injection well toward the production well, and no chemical reactions occur between scCO 2 (nonaqueous CO 2 ) and minerals. The primary mineral quartz may precipitate or dissolve after 30 years ( Figure 5 ). The quartz slightly dissolves in water-dominated areas and precipitates in CO 2 -laden areas ( Figure 5 ). We infer this to be because the lower pH values in areas reached by CO 2 result in precipitation of quartz; pH values approaching 5.4 in the water-dominated area lead to dissolution of quartz. The distribution of quartz precipitation has similar patterns and characteristics to the mineral oligoclase. The more precipitation of quartz occurs within the upper-lying layers and the layer just below injection/production layer ( Figure 5 ).
Calcite precipitates after 1 year of CO 2 injection (figure not shown). The calcite precipitation distribution also shows similar patterns to the oligoclase dissolution profile. More calcite is precipitated in the upper-lying layers and the layer just below injection/production layer after 30 years ( Figure 6 ) than the injection/production layer, tracking the distribution of dissolved CO 2 in the aqueous phase ( Figure 4 ) and CO 2 in gaseous phase (Figure 3) . Relatively large amounts of illite precipitation also occur in the same areas with large amounts of calcite precipitation, also tracking aqueous phase CO 2 . The characteristics and distributions of dissolution or precipitation for other minerals (e.g., albite, K-feldspar, and siderite) are similar to trends for oligoclase, calcite, and illite (figures not shown). Figure 7 describes the cumulative CO 2 sequestered by carbonate mineral precipitation for scCO 2 as a working fluid after 30 years. The total CO 2 sequestered by carbonate precipitation is around 1.5-3.0 kg/m 3 in the upper-lying layers, which is much larger than the value of 0.2 kg/m 3 at the injection/production layer. The 3D distribution of total CO 2 sequestered is identical to the amount consumed by calcite precipitation (Figure 6 ) and to the dissolved aqueous CO 2 amount (Figure 6 ) after 30 years of CO 2 injection. This relationship is consistent with scCO 2 in the gas phase mainly occupying the layer of injection/production wells ( Figure 4 ) and the two phases of water-gas mixtures exist in the area of the upper-lying layers after 30 years, resulting in more dissolved CO 2 in these areas (Figure 3) . Therefore, more dissolution and precipitation occur in the upper-lying layers.
To compare the effects of scCO 2 as a working fluid (to water) on chemical interactions, we also simulated the 3D geochemical processes at St. John's Dome Site for water as a working fluid for 50 years. (Figure 8) shows smaller magnitude in rates and different distributions in profile than the ones for scCO 2 as a working fluid ( Figure 5 ). The more dissolution of oligoclase occurs in the area above the injection well, and the area close to the production well for water as a working fluid but more dissolution of oligoclase is simulated in the area above the injection/production layer for scCO 2 as a working fluid. Other primary and secondary minerals also exhibit significantly different dissolution or precipitation rates and patterns for water as a working fluid (figures not shown) from the ones for scCO 2 as a working fluid. It indicates that the geochemical processes of scCO 2 -rock interaction have significant effects on mineral dissolution and precipitation in magnitudes and distributions. extraction and mass flow production rates for scCO 2 as a working fluid were larger (X to Y) compared to water (A to B) as a working fluid, indicating scCO 2 as a working fluid may enhance EGS heat extraction (consistent with Pruess [2, 3] ). Simulated CO 2 saturation suggests that CO 2 breakthrough in caprock may constitute a leakage risk, at least for the specific case of the St. John's Dome CO 2 -EGS research site. Simulations also suggest that more aqueous CO 2 accumulates within the upper-and lower-lying layers than within the injection/production layer, decreasing pH values and promoting dissolution and precipitation of minerals in the upper-and lower-lying layers of the system. Precipitation of carbonate minerals in the upper-lying layers suggests favorable CO 2 storage (with respect to mineral trapping) in EGS reservoirs. Dissolution of oligoclase for water as a working fluid shows smaller magnitude in rates and different distributions in profile than those for scCO 2 as a working fluid. It indicates that geochemical processes of scCO 2 -rock interaction have significant effects on mineral dissolution and precipitation in magnitudes and distributions. Results of this study improve understanding of geochemical processes within CO 2 -EGS reservoirs and provide implications for enhanced energy extraction and geological CO 2 sequestration.
Conclusions
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